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Abstract 
Implementing geological carbon sequestration at a scale large enough to mitigate anthropogenic emissions will involve the 
injection of supercritical CO2 into deep saline aquifers. The principal technical risks associated with such injection are that (i) 
buoyant CO2 will migrate out of the storage formation; (ii) pressure elevation during injection will limit storage rates and/or 
fracture the storage formation; and (iii) groundwater resources will be contaminated, directly or indirectly, by brine displaced 
from the storage formation. An alternative to injecting CO2 as a buoyant phase is to dissolve it into brine extracted from the 
storage formation, then inject the CO2-saturated brine into the storage formation.  This “surface dissolution” strategy completely 
eliminates the risk of buoyant migration of stored CO2. It greatly mitigates the extent of pressure elevation during injection. It 
nearly eliminates the displacement of brine. To gain these benefits, however, it is essential to determine the costs of this method 
of risk reduction. In this work, we compute the pressure field for typical injection patterns and quantify the restriction imposed by 
this field on the design of the process. We also develop an analytical framework for optimization of the process, and hence for 
cost minimization. 
© 2010 Elsevier Ltd. All rights reserved 
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1. Introduction 
Extraction of CO2 from flue gases, compression of this CO2 and injection into a brine filled formation can be 
regarded as the “standard approach” to geologic CO2 sequestration (GCS). In a saline formation the modes of CO2 
storage include structural, dissolution in brine, mineralization and residual trapping. The density difference between 
injected CO2 and resident brine drives the buoyant movement of CO2. This can increase trapping efficiency by 
causing residual and dissolution trapping [1], but it can also decrease security by enabling escape through a failed 
seal. 
Extraction of CO2 from flue gases, mixing of CO2 in brine extracted from the saline aquifer and reinjection of 
that CO2-saturated brine, Figure 1, is referred to as the “surface dissolution approach” to GCS [2]. The CO2-
saturated brine is slightly more dense than the resident brine which eliminates the risk of buoyant movement and 
meets all the concerns of safe storage. This process depends critically on solubility of CO2 in brine which is a 
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function of temperature, pressure and salinity (see 
Figure 2). A previous study [2] showed that the 
volume of brine required is large, but the power 
requirement for pumping and mixing is manageable. 
Here we extend that study and identify the constraint 
imposed by the pressure field in the storage formation 
during injection period as a main parameter 
controlling the design. We describe a framework in 
which this parameter determines well count, required 
formation volume and storage footprint (areal extent 
of CO2) for ideal aquifers. This allows optimization 
with respect to the costs of implementing surface 
dissolution. 
Implementation of GCS at a scale sufficient to 
mitigate CO2 emissions will require large areas and 
volumes of subsurface formations. Thus another 
important point of comparison for different storage 
strategies is storage efficiency. Here we define storage 
efficiency as the fraction of total pore volume 
occupied by CO2 molecules. Estimates of the storage 
efficiency for “standard approach of sequestration” range between 1 to 4% [3, 4]. These efficiencies are small 
because of gravity override during injection and post-injection buoyant movement of CO2 plume. 
2. Surface Dissolution: The Design 
Dissolution of CO2 in brine changes the nature of flow in the subsurface. Injection and extraction of brine 
involves only single phase flow of fluids of very similar density, while the standard approach involves multiphase 
flow with interphase mass transfer [5, 6]. All the calculations for design assume no difference between the 
properties of resident brine and CO2-saturated brine. This reasonable assumption allows us to use simple analytical 
tools. We demonstrate the calculation procedure by choosing line drive injection pattern as a base scenario. 
The surface dissolution approach needs injection and extraction wells operating in essentially a balanced 
condition. (A difference of about 5% in injection and extraction rates exists because the mass of CO2-saturated brine 
exceeds the mass of extracted brine by about 5% [1]). This leads to an important conclusion: during injection, the 
average aquifer pressure will change very little, and after injection the pressure in the aquifer will equilibrate to the 
pre-injection value, which we presume to be hydrostatic. Thus the initial hydrostatic pressure in the aquifer sets an 
upper bound on the bubble point pressure Pb for the CO2-saturated brine. The CO2 solubility at Pb is thus the 
maximum useful solubility to be obtained in 
the surface mixing process. Dissolving more 
CO2 could lead to evolution of second phase 
in the aquifer after injection ends because Pb 
would exceed the equilibrated aquifer 
pressure. Dissolving less than the maximum 
would reduce storage efficiency.  
During injection, the pressure anywhere 
in the aquifer containing CO2-saturated brine 
should not fall below bubble point pressure 
to avoid formation of a buoyant CO2-rich 
phase. The location of the contour of bubble-
point pressure during injection is thus the 
key feature of the process design and 
optimization.  
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Figure 1. Schematic of the brine dissolution strategy includes pumps for 
brine extraction, brine injection and compression of the captured CO2 
stream. The two fluids are mixed until the CO2 dissolves, and then the 
saturated brine is re-injected [2]. 
Figure 2. Solubility of CO2 in brine increase as depth increases to 2000 ft, then 
decreases slowly. The solubility trend shown is based on gradients of pressure (0.433 
psi/ft), temperature (1.6 F/100ft) and salinity (15 ppm/ft). The behavior is the result 
of counteracting influences of these parameters on solubility. 
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3. Pressure Field During Injection: Line Drive Injection Pattern 
We illustrate the optimization using a line drive pattern, Figure 3a. We assume homogeneous aquifer properties. 
We also assume that the CO2-saturated brine and resident brine have same flow properties. The pressure field 
depends on the flow profile along the streamlines joining injector and producer. For a line drive pattern radial flow 
exists near injectors and producers and linear flow in the regions far from both lines of wells. On the straight 
streamline between an injector/producer pair we can then derive, 
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The injectivity equation can be used to predict pressure field in the aquifer at a given flow rate. This injectivity 
equation assumes steady incompressible flow. The pressure profile can be used to determine available aquifer 
volume for safe storage of dissolved CO2 (see Figures 3a and 3b). For convenience we refer to the left hand side of 
Eq. 1 as “drawdown”. For H/D less than unity, we used an alternate method based on streamlines to relate 
drawdown to flow rate [7]. 
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(b) 
Figure 3. (a) Schematic on the left shows the layout of line drive pattern along with the pressure contours and injected fluid front shape when it 
reaches the bubble point pressure contour (shown in orange). (b) Graph on the right shows the pressure profile along the line joining 
injector/producer pair. The radial flow near wells and linear flow regime far from wells is evident. If CO2 saturated brine having bubble point 
pressure of 1300 psia is injected, the green colored area marks the region where CO2 stays in the solution. Extraction at 500 psi below hydrostatic 
and injected at 500 psi above hydrostatic (1300 psia). 
The flow rate in Eq. 1 depends on the pressure difference between extraction and injection wells (Pi – Pp) and the 
pattern configuration (H and D). The flow rate increases with the increase in (H/D) ratio but varies only slightly with 
H. The streamlines in the line drive pattern are used to determine the fluid front shape when it reaches the saturation 
pressure contour; this is light green region in Figure 3a. Continued injection would cause a gas phase to form 
downstream of this contour. Thus the area within the light green region determines the aquifer utilization efficiency 
(Ea). It is apparent that Ea is closely related to areal sweep efficiency. It is the fraction of pore volume swept when 
CO2 saturated brine reaches the saturation pressure contour in the aquifer. 
2Volume occupied by CO  saturated brine upstream of saturation pressure contour = 
Total pore volume between injectors and producers
Ea  (2) 
Because injection pressure is higher than the initial hydrostatic pressure, some fraction of the area is over-
pressured during injection. In the illustration of Figure 3, the saturation pressure is taken as the hydrostatic pressure. 
Thus the light green area also corresponds to the over-pressured region (relative to initial pressure) during injection.  
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4. Optimization Requirements for the Design 
We optimize the well pattern with respect to three contributions to the cost: the volume of rock required, number 
of wells required and the risk associated with injection. 
Total Capital Cost = X*Well Count*Depth + Y*Total Area + Z*Risk 
Here X is the cost of well construction in dollars per foot, Y is the cost of acquiring land in dollars per acre and Z 
is the cost associated with mitigating or averting risk in dollars per acre. We treat as independent parameters the 
injection pressure (Pi), extraction pressure (Pp), bubble point or saturation pressure (Pb), and the pattern design 
parameter injector-injector spacing (H). 
Total Capital Cost = f (Pi, Pp, H, Pb) 
Three quantities turn out to drive the cost optimization i) flow rate in the line drive pattern design, ii) fluid front 
movement and pressure contours; and iii) pressure profile inside the aquifer. The pattern flow rate determines the 
number of well pairs needed for a target sequestration rate. The fluid front and pressure contours determine the rock 
volume needed. The pressure elevation within the aquifer is assumed to determine risk. 
5. Operating Point Determination for a Set of Independent Parameters 
The total pore space required for the project depends on CO2 solubility (S) at the bubble point pressure, average 
porosity of the aquifer (), target sequestration rate , the duration of the project (T) and the aquifer utilization 
efficiency Ea. In a homogeneous aquifer injecting CO2 saturated brine will exhibit 100% vertical efficiency. The 
value of Ea is bounded above by the areal sweep efficiency at breakthrough for the line drive pattern. For a 
formation of thickness (h), the area (A) required is: 
2 2
2 2
(1 )

H O CO
CO H O a
M m TSA
S M h E 
 (3) 
where  is molecular weight of water and  is molecular weight of CO2.  Each element of the well pattern 
has area a given by a = HD. Thus the ratio A/a determines the number of well pairs; we refer to this as the “area 
basis” constraint.  
The required brine flow rate depends on sequestration rate ( ) and the target solubility (S).  
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Each well pair has a flow rate q from Eq. 1, so the ratio Q/q provides an independent constraint on the number of 
well pairs, which we term the “flow rate basis” constraint. The solution approach solves the “area basis” and “flow 
rate basis” constraints simultaneously. For a given set of values for the independent parameters (Pi,Pp,Pb,H), we 
determine the operating point at which the line drive pattern configuration has a unique dimensions H and D as 
follows. Using Eq. 1 we compute flow rate per pattern (q) for several values of H/D. From the pressure contours 
computed at each value of H/D ratios, we calculate aquifer utilization efficiency (Ea). From the values of q and Ea, 
we calculate the area basis and flow rate basis well pair requirement as a function of H/D ratio. 
2Wellpairs on flowrate basis,  QWp
q
 (5) 
Wellpairs on area basis,  AWp
a
 (6) 
The operating point is the intersection of Eqs. (5) and (6); a graphical solution is illustrated in Figure 4. The 
operating points for two values of injector-injector spacing H at fixed Pi, Pp and Pb are shown in Figure 4a. The area 
required has a direct dependence on H, hence the large shift in the “area basis” curve in Fig. 4a. In contrast, the flow 
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rate per well pair depends weakly on H and the “flow rate basis” curves shifts slightly upward. For H/D larger than 
0.25 the number of well pairs required on area basis decreases slowly with H/D. Hence number of well pairs 
decreases slowly while the ratio H/D increases rapidly when H increases, that is, the operating point moves towards 
right and downwards.  
The variation of operating point with change in producer pressure (Pp) at fixed Pi, Pb and H is illustrated in 
Figure 4b. With increase in drawdown, here achieved by decreasing Pp, flow rate increases and the well pair 
requirement decreases causing the curve based on flow rate to shift down. Decreasing Pp causes the contour of 
saturation pressure to move toward the injectors, reducing the area that can be occupied by saturated brine. This 
decreases the aquifer utilization efficiency which leads to higher total area requirement. For a given pattern area a, 
more well pairs are needed to satisfy the total area requirement. Thus the “area basis” curve shifts upward in Fig. 4b. 
The combined effect is to reduce the number of well pairs and the ratio of H/D when the drawdown increases.  
 
(a) 
 
(b) 
Figure 4. Determination of operating point (a) for two values of H when Pi, Pp, and Pb are fixed (cf Table 1) and (b) for two values of Pi – Pp 
when H, Pi and Pp are fixed (cf Table 1). 
6. Design and Integration 
The impact of various independent parameters 
on design and their integration for an optimal 
design is now illustrated. Consider a 500 MW coal 
fired power plant which emits 10 million 
kilograms/day of CO2. The properties of the aquifer 
in which the injection takes place are given in 
Table 1. We choose the target solubility to be the 
value at aquifer conditions, which is S = 0.021 
(mole fraction). The required brine flow rate is thus 
1.4 million barrels/day. Maximum allowable 
injection pressure is equal to 1400 psi, based on a 
typical fracture gradient of 0.7 psi/ft and an aquifer 
depth of 2000 ft. The duration of the sequestration 
project is 30 years. Costs are taken as X = 600 $/ft 
for well construction, Y = 4000 $/acre for land, and 
Z = 1000 $/acre for risk. 
To integrate the design variables we pick a pair of values of injection pressure (Pi) and saturation pressure (Pb). 
We then vary extraction pressure (Pp) and injector-injector spacing (H) systematically. For each combination of Pp 
and H, we find the location of the bubble point contour (and hence the aquifer utilization efficiency), the contour of 
hydrostatic pressure, and an operating point as described above. The operating point determines the number of well 
pairs. The location of hydrostatic pressure contour determines the fraction of the formation that experience over-
Table 1 Petrophysical and fluid properties required for the example design 
Aquifer Description 
Injection Depth (d) 2000 ft (600 m) 
Permeability (k) 100 md 
Porosity 12% 
Salinity 75,000 ppm 
Initial Temperature 80 °F 
Initial Pressure 866 psig (9 MPa) 
Dip Angle 0° 
Frac gradient (Fd) 0.7 psi/ft 
Pore pressure gradient (Pp) 0.43 psi/ft 
Fluid Properties  
Brine viscosity 1 cp 
CO2 solubility (S) 0.021 mole fraction 
Saturation pressure Pb 860 psi 
Well Properties  
Skin  0 
Well radius (rw) 0.5 ft 
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pressure during injection. This is taken to be directly proportional to the risk. At this point, we have sets of values of 
well pairs, aquifer utilization efficiency and risk for a range of values of Pp and H at given Pi and Pb.  
Figure 5a illustrates variation of well costs with respect to drawdown (PiPp) and injector-injector spacing (H). 
As injector-injector spacing increases the well cost decreases; increasing the drawdown has same effect though 
much less sensitive. This behavior is consistent with the effect of these parameters on the operating point shown in 
Figure. 4. Similarly, Figure 5b illustrates variation of area cost, which increases with injector-injector spacing 
because operating point moves towards higher H/D ratios (cf Figure 4a.)  The aquifer utilization efficiency 
decreases with increase in H/D ratio because higher the H/D ratio, sharper is the moving fluid front inside the 
aquifer. With increase in H/D ratio, the geometric effects take over; the fronts become sharper leading to decrease in 
the sweep. The area cost increases with drawdown because the producer pressure Pp must be reduced. This reduces 
the aquifer utilization efficiency because the saturation pressure contour moves towards the injectors.  
Figure 5c illustrates variation of risk cost, which increases with injector-injector spacing because the absolute 
area within the hydrostatic pressure contour increases. Moreover, an increase in injector-injector spacing moves the 
operating point toward larger H/D (Figure 4a). Thus at the same drawdown, pressure gradients will be larger (Eq. 1) 
For fixed Pi this means the hydrostatic pressure contour will move toward the producers (Figure 3a). Risk cost also 
increases as drawdown decreases, Fig. 5c. Smaller drawdown is achieved by increasing the producer pressure Pp, 
which moves the hydrostatic pressure contour towards the producers. Hence area at risk because of elevated 
pressure becomes larger.  
(c) Risk Cost (d) Total Cost
(a) Well Cost (b) Area Cost
 
Figure 5. (a)-(c) Graphical representations of the three contributions to project cost as functions of drawdown and injector/injector spacing for 
prescribed values of injection pressure (Pi = 1400 psi) and saturation pressure (Pb =860 psi.) The red dot on total cost in (d) corresponds to the 
minimum cost design for these values of Pi and Pb. 
The total costs for this pair of values of injection pressure (Pi) and saturation pressure (Pb) are shown in Fig. 5d. 
The minimum value on this surface is identified as the optimum. The total cost surface is a bowl shaped surface 
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because the contributing surfaces all slope 
upwards in different directions. This is the 
effect of complicated interplay between flow 
rate and location of the saturation pressure 
and hydrostatic pressure contours.  
We repeat the above steps holding 
injection pressure fixed and varying 
saturation pressures. The maximum 
saturation pressure allowable is the 
hydrostatic pressure. With increase in 
saturation pressure, area costs generally 
increase. This is because the saturation 
pressure contour moves towards injectors 
leading to decrease in aquifer utilization 
efficiency. The well costs, area costs and 
risk costs all vary in such a fashion that there 
is a minimum of cost occurring at the 
saturation pressure less than the hydrostatic. 
This is a direct result of the location of the 
saturation pressure contour which affects 
aquifer utilization efficiency, risk and the 
number of wells required to meet the 
sequestration demands.  
Finally, we repeat all the above steps for a range of injection pressures. Maximum injection pressure is 
constrained by the fracture pressure of the aquifer. As illustrated in the Figure 6, decrease in injection pressure 
causes increase in costs. The simple reason behind this is that as injection pressure decreases, injection rates 
decrease, leading to requirement of more well pairs. The aquifer utilization efficiency also decreases because 
saturation pressure contour moves towards injectors. This leads to less risk costs but the increase in other 
components in its comparison is much more.  
These observations are specific to the relative values selected for the costs X, Y and Z. This optimization 
approach can be used to investigate the relative influence of each contribution.   
7. Conclusions  
For surface dissolution sequestration approach, we have developed a pattern design methodology (placement of 
injection and extraction wells) based on total cost optimization. The pressure field established in the aquifer during 
injection plays a very important part in governing the safe disposal of CO2. Injection rates and the pressure field in 
the aquifer are dependent on the pattern configuration (injector-injector spacing H and injector/extractor spacing D 
for line drive pattern), injection pressure (Pi) and extraction pressure (Pp). Based on the concentration of dissolved 
CO2, the location of bubble point pressure contour is identified. The injection front shape when it reaches the 
saturation pressure (Pb) contour defines the areal extent of CO2-saturated brine and hence the aquifer utilization 
efficiency. The location of hydrostatic pressure contour defines the area subjected to fluid pressures greater than 
hydrostatic during injection, and hence the risk. The injection pressure, extraction pressure, saturation pressure and 
injector-injector spacing are identified as the independent parameters for the design, given the daily CO2 emissions 
rate from the point source and the time frame of the project. Counter-intuitively the scheme determines the optimum 
in the example presented here to lie at a saturation pressure less than the maximum allowable. This is because 
decrease in saturation pressure increases aquifer utilization efficiency if everything else is kept the same. Similarly, 
decrease in saturation pressure increases the flow rate if the aquifer utilization efficiency is kept the same. Less 
surprisingly the optimum exists at the maximum injection pressure. The impact of saturation pressure thus brings in 
complex interplay between all the independent parameters.   
 
Figure 6. Based on the optimization scheme for surface dissolution design, the 
optimum conditions are injection pressure of 1400 psi (the maximum possible value 
because of fracture gradient constraints), a saturation pressure of 700 psi (less than 
the maximum possible value of 860 psi), a producer pressure of 400 psi and an 
injector/injector spacing of 3000 ft. Storage efficiency at the optimum point is 72% 
with 52% of the total area under over pressure during injection. 63 well pairs are 
required at the optimum to maintain the balanced injection. 
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